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“As far as the laws of mathematics refer to 
reality, they are not certain; and as far as 
they are certain, they do not refer to reality.”  
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Human prosperity, economic growth and energy supply have shown a strong positive 
correlation from the start of the industrial revolution until the present. During the 20th 
century, cheap and reliable energy from fossil sources became abundantly available. 
Concerns regarding climate change, however, are increasingly problematized by 
contemporary scientists and policymakers. In particular, the emission of carbon dioxide 
(CO2) is considered an important issue to solve, as it is the main contributor to the 
greenhouse effect. Reducing CO2 emissions, while providing the world with cheap, 
plentiful and reliable energy will therefore be vital for a prosperous future.  
Atmospheric CO2 accumulation can be mitigated by capturing CO2 and storing it in 
suitable underground formations. Large-scale implementation of carbon capture and 
storage (CCS) can contribute to stabilize atmospheric greenhouse gas concentrations. 
For profit maximizing companies, implementation costs related to CCS are high 
compared to that associated with atmospheric release. Economic incentives can be 
significantly increased by using CO2 as an input parameter in a production process, 
thereby adding value to the end product. One alternative is to use anthropogenic CO2 
for enhanced oil recovery (EOR), which promotes investments into safe CO2 storage 
while improving the oil production process. This synergy is likely to accelerate 
technological advances related to CO2 storage and reduce lifecycle emissions from the 
oil production projects.  
At reservoir conditions, CO2 has several advantageous characteristics for EOR 
purposes. For this reason, it has been implemented as an oil displacement agent for 
more than 50 years. Pure CO2 injection, however, has some inherent challenges due to 
density and viscosity differences between reservoir fluids and CO2. The former 
discrepancy causes CO2 to migrate towards the top of the reservoir, while the latter 
discrepancy promotes formation of viscous fingers and gas channeling through high 
permeable zones. Both effects are detrimental to oil recovery and CO2 storage, since 
unstable displacement fronts decrease sweep efficiency and reduce storage. 
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Consequently, project profitability will be adversely affected through lower oil 
recovery.  
Reducing CO2 mobility is important to mitigate flow instabilities. In-situ foam 
generation is one possible solution, where a mixture of CO2 and brine with a foaming 
agent (surfactants or nanoparticles) has proven to significantly reduce CO2 mobility 
and front propagation. Foams are inherently thermodynamically unstable, but this 
aspect can be improved by optimizing type and concentration of the foaming agent. 
Surfactants have shown to generate strong foams through laboratory experiments (and 
partly in field trials), but might destabilize at tough reservoir conditions such as high 
temperatures and salinities. Nanoparticles are currently being evaluated as a foam agent 
and several laboratory results show great promise. High adhesive energies on 
interfaces, low cost and ability to remain stable in harsh environments are all properties 
advocating for further research. Compared to surfactants, nanoparticles as foaming 
agents for EOR is a novel technology and has as of yet not been tested in fields. 
This dissertation is part of two larger research projects on CO2-foam applications for 
storage and enhanced oil recovery: «Nanoparticles to Stabilize CO2-foam for Efficient 
CCUS in Challenging Reservoirs» (the Research Council of Norway project number 
268216) and «CO2 Storage from Lab to On-Shore Field Pilots Using CO2-Foam for 
Mobility Control in CCUS» (the Research Council of Norway project number 249742). 
By implementing a bottom-up scientific approach, foam systems in sandstones and 
carbonates have been evaluated and optimized for EOR and CO2 storage performance.  
This dissertation consists of two parts. The first part contains the introduction, 
theoretical background and a review of key findings. It is intended to corroborate and 
summarize the six scientific papers listed in the second part. The main objective of this 
work is to provide new insight into CO2-foam behavior in porous media and optimize 
foam performance for field application. Adapting an experimental approach, two areas 
of focus are prioritized: i) delineating causal relationships between concepts and 
principles related to CO2-foam behavior in porous media; and ii) providing input to a 
field-scale simulation model to optimize foam performance in field trial.  
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Paper 1 demonstrates the broad applicability of CO2 injection in a CCUS context. Ultra-
low permeabilities associated with shale oil formations exclude conventional 
waterflooding for EOR. Supercritical CO2 enabled flow through the matrix core plugs, 
resulting in (enhanced) oil production and associated CO2 storage. Observations 
indicated adverse effects from pure CO2 injection, including low sweep efficiency, 
early CO2 breakthrough and low oil recovery.  
Paper 2 implements a bottom-up multi-scale approach to evaluate surfactant-stabilized 
CO2-foams with a preselected field specific nonionic surfactant. Observations 
indicated strong foam generation with resulting flow diversion from co-injection of 
CO2 and surfactant solution on pore-scale. Increased thermodynamic stability was 
quantified during static, no-flow, tests over several days. Input parameters for a 
commercial foam simulation model were obtained from CO2 and CO2-foam injections 
in reservoir core plugs (end-point relative permeabilities, maximum mobility reduction 
factor and viscoelastic properties). The laboratory data suggested an optimal 
volumetric gas fraction between 0.60 and 0.70. EOR and CO2 storage were evaluated 
at reservoir conditions, showing higher CO2 storage and increased oil recovery during 
foam injections in presence of oil. Results indicated a carbon neutral oil production 
from CO2-foam injection, where 96% of the carbon atoms in the produced oil was 
stored (as CO2) in an ax-ante storage process. 
Paper 3 extends on the bottom-up approach from Paper 2 and evaluates CO2-foam 
performance in reservoir core plugs with reservoir fluids. Surfactant concentration (0.5 
wt%), injection strategy (multi-cycle SAG) and slug sizes (macroscopic average gas 
fraction of 70%) were determined for field injection, based on experimental data and 
simulations.  
Paper 4 evaluated nanoparticles as possible foam stabilizers for CO2-foams in 
sandstones. Loss to the formation (retention) and stability during nanofluid flow 
through porous media were measured at 20ºC, with no observed decrease in flow 
potential. The ability of nanoparticles to stabilize CO2-foams was determined by 
comparing co-injections of nanofluid and CO2 to baseline co-injections (CO2 and brine 
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without foaming agent). Foam generation and stabilization effects were observed 
through higher apparent viscosities. Results showed increased apparent viscosities 
from surfactant-stabilized foams (compared to nanoparticle-stabilized foams) 
administered at the same experimental conditions. Injection history and gas saturation 
indicated strong hysteretic effects during foam scans.  
Paper 5 extends on Paper 4 to investigate CO2-foam performance with two different 
nanoparticles and a surfactant in presence of crude oil. The temperature was increased 
from 20ºC to 60ºC, while the other experimental conditions remained constant.  
Emphasis was put on increasing statistical significance of reported data by performing 
several injection tests at identical conditions. Results showed that nanoparticles have a 
higher stabilizing effect on CO2-foams compared to surfactants, implying more 
resistance to destabilization from crude oil. Incremental oil recoveries, however, are 
similar for surfactant and nanoparticle-stabilized CO2-foams, suggesting different EOR 
mechanisms governing the displacement processes.  
Paper 6 examines the ability of nanoparticles to stabilize CO2-foams at tough reservoir 
conditions, such as increased temperatures, brine salinities and ionic strengths.  The 
CO2 storage potential was quantified during foam injections in core plugs, and a 
parameter for calculating CO2 utilization was implemented. Nanoparticle-stabilized 
foams increased oil production and CO2 storage potential by displacing more oil and 
water during tertiary EOR compared to baseline injections.  
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1. Introduction and Concepts 
In this chapter, the motivation behind the dissertation, the theoretical background with 
special emphasis on relevant concepts and a description of the pilot project are given.  
1.1 Energy Demand and Climate Change 
Energy is an enabler of life and, alongside food and clean water, the provision of cheap, 
reliable and sustainable energy for future generations is a major global challenge. 
Renewable energy production is steadily increasing and the reliance on fossil fuels is 
expected to decrease from 86% in 2017 to 77% of the energy mix in 2040 [1]. However, 
the International Energy Agency projects an increase in the world energy consumption 
of 28% in total from 2015 to 2040 (reference case). In the same period, it is expected 
that the economic growth, measured by gross domestic product, will rise by 3.0% per 
year and remain a key determinant for energy demand. In addition to exploring new 
energy resources, therefore, the environmental impact from existing ones, e.g. the 
production of oil and gas, must be reduced to meet the United Nations Sustainable 
Development Goals [2].   
The Intergovernmental Panel on Climate Change (IPCC) has concluded in their 
Synthesis Report on Climate Change (2014), that it is extremely likely that 
anthropogenic drivers are the dominant cause of the observed warming effect since the 
1950s [3]. Anthropogenic greenhouse gas (GHG) emissions are at a record high and 
CO2 is the most important anthropogenic GHG, contributing to ocean acidification, a 
rising sea level and overall higher temperatures. Failure to implement new technologies 
at an early stage will cause additional amounts of CO2 to be released into the 
atmosphere and increase its negative impact. 
1.2 Carbon Capture, Utilization and Storage 
Carbon (dioxide) capture and storage (CCS) refers to the process of capturing 
anthropogenic CO2 at large point sources and injecting it into subsurface formations 
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for secure long term storage [4]. The IPCC appoints CCS as one of several technologies 
that are essential to the mix of climate mitigation strategies to limit the increase in 
global mean temperature. Currently, low carbon price (cost of emitting CO2) impedes 
large-scale investments for CCS implementation. This in turn reduces the rate of 
technological improvement. Some view CO2-EOR as a possible solution to induce 
industry interest in CO2 storage [5]. By using CO2 as input in an oil production process, 
CO2 is stored in the reservoir after the oil displacement. Additional costs associated 
with CO2 injection are justified on two levels: i) financially, additional revenue is 
generated from the additional oil recovery; and ii) sustainability, reducing negative 
externalities from energy production. This process is referred to as carbon capture, 
utilization and storage (CCUS). By injecting CO2 from anthropogenic sources, ex-ante 
storage reduces emissions from oil consumption which leads to a more sustainable 
energy production [6].  
1.3 CO2 Injection for EOR 
The injection of pressurized CO2 for enhanced oil recovery (EOR) has been 
implemented for decades [7-10] and combines pressure support with effective oil 
displacement. Residual oil is mobilized through oil swelling and viscosity reduction 
that result from interfacial tension (IFT) reduction between CO2 and oil [9]. In locations 
where CO2 is available for injection, as in the US Permian Basin, CO2 is a cost-effective 
EOR injection fluid [11, 12]. Estimates from the “2014 worldwide EOR survey” 
suggest that 38% of EOR production in the US comes from CO2 injection [13, 14]. 
Laboratory evaluations of CO2 injection for EOR at miscible conditions demonstrate 
oil recoveries over 90% of original oil in place (OOIP) [15], whereas field-scale 
recoveries range from 10% to 20% of OOIP [16-18]. Front instabilities causing viscous 
fingering, gravitational segregation and gas flow in high permeable (thief) zones are 
the main reasons for the large discrepancy between laboratory and field observations. 
CO2 injections thus experience early CO2 breakthrough, poor sweep and high gas-oil 
production ratios (GOR), all of which are detrimental for oil recovery efficiency, CO2 
utilization and increase costs associated with CO2 handling and re-injection. These 
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adverse effects are attributed to the density and viscosity of CO2 (Figure 1) compared 
with those of the in-situ fluids (oil and water). Suggested mitigations include foam 
mobility control [19], conformance improvements [20], water alternating gas (WAG) 
[21] and CO2 thickeners [22, 23]. This dissertation focuses on advancing in-situ 
generated CO2-foam systems that contribute to in-depth mobility control. 
 
Figure 1: Density and viscosity of CO2 as a function of pressure. Critical temperature and pressure: 
~ 31ºC and ~74 bar (7.4 MPa) [24]. 
1.4 CO2-Foam for EOR 
Foams are defined as gas dispersed in a continuous liquid phase and have a wide range 
of applications [25, 26]. In everyday life, foams can be found in anything from shaving 
creams and soda heads to fire extinguishers. Their appearance in the petroleum industry 
ranges from use in well applications and oil refining processes to mobility control [25]. 
An illustration of an idealized two-phase foam system of liquid and gas is given in 
Figure 2. The gas phase is contained inside the liquid phase in multiple bubbles and 
separated by thin liquid films referred to as lamellae. This configuration can be 
achieved by flowing gas through the liquid phase or agitating a container with both 
phases present. In bulk, a two-phase system between water and a gas with this 
configuration would quickly be subject to foam coalescence and the foam structure 
would cease to exist. Increased thermodynamic stability of the foams can be achieved 
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by adding surface active agents (surfactants) or nanoparticles to the aqueous phase [25, 
27-31] or to the CO2 [32].  
In porous media, foams can decrease the mobility of gas with several orders of 
magnitude [33, 34], mitigating front instabilities and diverting flow into un-swept 
regions of the reservoir [35]. Total mobility reduction is a combination of resistance to 
flow from moving and stationary lamellae. This is correlated to porous media 
properties such as pressure gradient, capillary pressure, saturation, pore geometry and 
bubble sizes [34, 36]. Stationary lamella affects relative permeability of gas by 
reducing mobile gas saturation and diverting gas flow paths [34, 36]. Mobile lamella 
are on the other hand retarded due to interaction with the pore walls [37]. 
 
Figure 2: Generalized bulk foam system [38]. 
The use of CO2-foam is a field tested technique proven to mitigate low sweep 
efficiencies. Examples of CO2-foam field pilots with surfactant-stabilized foam are 
reported as technical successes (evidence of foam creation, improved sweep and 
enhanced oil recovery) in the literature [39-44], but full-field implementation was 
uneconomical. As of yet, no field pilots have been reported where nanoparticles are 




1.4.1 Foaming Agents 
This dissertation focuses on the use of surfactants and nanoparticles, referred to as 
foaming agents, to increase foam stability and generation in porous media.  
Surfactants 
Surfactants are often used to improve generation and stabilize foams in porous media 
[19]. Due to their amphiphilic structure (both hydro- and lipophilic), they adsorb to the 
gas-liquid interface and decrease IFT [45]. There are four major classes of surfactants 
categorized by head group polarity: cationic, anionic, nonionic and zwitterionic [46]. 
The majority of work presented in this dissertation uses a commercially available 
nonionic surfactant (Huntsman International LLC, CAS no. 68551-12-2), referred to 
as SurfA. It was selected for the field pilot injection based on criteria such as ability to 
generate foam, degree of adsorption to the rock surface, thermal stability and 
partitioning coefficient. More information can be found elsewhere [47, 48]. In CO2-
foam injections at room temperatures (Paper 5), a commercially available anionic 
alpha-olefin sulfonate (AOS) surfactant (C14-16) was used. AOS surfactants show low 
adsorptions in sandstones [49-51] and have been used in CO2-foam projects [19].  
Nanoparticles 
Nanoparticles have gained attention towards EOR applications in recent years and are 
routinely used in a wide range of other industry applications, such as in solar cells [52-
55], imaging [56] and drug delivery [57]. They are defined as particles with a size 
ranging from 1-100 nm and intrinsic properties different from those found in the bulk 
of the material due to their high surface-to-volume ratio [58]. Even though the use of 
silica nanoparticles for stabilizing emulsions of CO2-in-water was described by 
Dickson et al. (2004) as an alternative to surfactants, it was not suggested for EOR 
purposes at the time [29]. The mechanical and thermal stability of nanoparticles make 
them robust and preferred foaming agents for injection at reservoir conditions because 
they can resist high temperatures, pressures, shear and salinity [30]. High surface 
adsorption energies associated with nanoparticles at interfaces practically eliminate 
them from being desorbed [59], adding stability to CO2-foams. Two nanoparticles with 
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different hydrophilicity were evaluated in this work, both produced and delivered by 
Nouryon.  
1.4.2 Conceptual Principles and Equations 
An improved understanding of complex systems relies on a framework of models and 
conceptual principles. Describing foam floods in porous media is a complex task, 
governed by effects from wettability, foaming agents, phase interactions, state 
variables, oil compositions and fluid saturations, to name a few. This section includes 
some of the basic principles (and associated equations) from petroleum engineering 
and physics that are deemed relevant to gain insight into the multi-phase fluid flow 
interpretation presented in this dissertation. It promotes understanding by capturing 
contributions of different variables from observed phenomena, but is by no means 
exhaustive. Understanding foam behavior in porous media is essential to determine 
injection parameters for optimal CO2-foam performance in fields.  
Foam generation and destruction 
Foam strength is strongly correlated to bubble density (lamellae per unit volume), 
quantified through apparent viscosity [37, 60, 61].  The number of lamellae is given by 
the ratio of generating to destruction rate, determined by underlying mechanisms. 
During flow in porous media, visual investigations have identified three widely 
recognized mechanisms describing in-situ foam generation: snap-off, lamella division  
and leave-behind [34]. Mechanisms for foam destruction include: gravity drainage 
[38], capillary suction [62] and gas diffusion [36, 38]. A detailed description of foam 
generating and destruction mechanisms can be found elsewhere [63, 64].  
Throughout this dissertation, foam performance has been evaluated with respect to 
foam texture, foam strength, oil recovery efficiency and CO2 storage. Pore-scale 
experiments enable direct visual assessments of foam strength based on texture (bubble 
density). Core-scale foam floods use differential pressure measurements as a proxy for 
describing foam strength, interpreted as the ability to reduce CO2 mobility by the 
formation of lamellae. Increased differential pressures therefore imply stronger foams 
[37, 60, 61]. Foam strengths are reported in terms of the mobility reduction factor 
(MRF) (Paper 3), apparent viscosity (μapp) (Papers 2, 3, 4 and 6), or as ratio of pressure 
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gradient increase during foam to pressure gradient during no foam (Papers 5 and 6). 






where k is the absolute permeability, 𝛻P is the pressure gradient over the core plug 
while ul and ug are the superficial velocities of liquid and gas, respectively [65]. MRF 
is a dimensionless parameter defined as the ratio of pressure-drop during foam flood, 
ΔPfoam, to pressure-drop during no-foam flood, ΔPno-foam [66]. From Equation 1 the 










where ΔP is the pressure-drop over the core. 
Fluid mobility, λ, describes the ability of a fluid to flow in porous media and is defined 






where keff is the effective permeability of the fluid (a function of the saturation) and μ 
is the viscosity of the fluid (a fluid property). From Equation 3 it is evident that the 
mobility of a fluid is inversely proportional to its viscosity, hence gas injection for EOR 
is associated with high mobility ratios (low gas viscosities and high water/oil 
viscosities). This causes gases to effectively flow into zones with higher permeabilities 
and destabilize the displacement front by viscous fingering and gravitational 
segregation. The recovery of any reservoir fluid, ERi, can be calculated as the product 
of macroscopic displacement efficiency, EVi, and microscopic displacement efficiency, 
EDi, from a displacement process [67]: 
 𝐸𝑅𝑖 = 𝐸𝑉𝑖 · 𝐸𝐷𝑖 (4) 
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The interplay between capillary, viscous and gravitational forces affects the 
displacement efficiency. Ratio of viscous to capillary forces during a displacement 
process can be correlated to the residual oil saturation and is often described by the 
capillary number, NC. NC is a dimensionless semi-empirical parameter and can be 









where Fv is the viscous forces, Fc is the capillary forces and σij is the IFT between 
injected fluid, i, and displaced fluid, j. The capillary number during a foam flooding 






where krf is the foam relative permeability and L is the length of the porous media. 
Capillary numbers from Equations 5 and 6 correlate to residual oil saturations in 
capillary desaturation curve plots [69, 70]. In general, higher capillary numbers reduce 
residual oil which in turn enhances oil recovery [67, 68, 71].  
Surfactants and nanoparticles decrease the energy requirement to form foams, which 
can be conceptualized through [72]:  
 𝑑𝐸 = 𝜎𝑤𝑔𝑑𝐴 (7) 
where dE is the energy required to increase the surface area by dA. Hence, a large 
reduction in σwg reduces the overall energy requirement for foam generation. Once, 
adsorbed to an interface, the energy, E, required to desorb a spherical particle is given 
by [59]: 
 𝐸 = 𝜋𝑅2𝜎𝑖𝑗(1 ± 𝑐𝑜𝑠𝜃)
2 (8) 
where R is the particle radius and θ is the contact angle. The sign in front of cosθ is 
negative when the particles are removed into the aqueous phase, otherwise it is positive.   
 19 
1.5 Field Pilot Project 
The field pilot project was initiated in January of 2015 with the primary objective of 
advancing CO2-foam mobility control technology for EOR and CO2 storage at the 
Norwegian continental shelf. The interdisciplinary effort is led by UiB and includes 
five other universities in the US and Europe (Stanford University, Rice University, the 
University of Texas at Austin, TU Delft and the University of Stavanger) and five 
energy companies (Shell, Total, Equinor, Tabula Rosa Energy and StableRock 
Energy), all contributing with expertise in different areas. The primary focus of the 
Reservoir Physics Group (UiB) has been to estimate foam efficiency (CO2 storage 
potential, EOR effect, CO2 mobility reduction) and deriving input to the numerical 
simulator for up-scaling.  
Two field pilot sites with different reservoir material were selected as candidates, both 
located in West Texas, US. These choices were favorable from an economical and 
operational point of view, since they are onshore fields with a pre-existing CO2 
infrastructure and have a short inter-well distance. This reduces operational costs and 
time from foam injection to production response. The project development in East 
Seminole (ES, carbonate reservoir, Figure 3) has advanced faster than the one in Fort 
Stockton (sandstone reservoir) and is expected to start foam injection in early 2019. All 
of the numerical modelling efforts and most of the field specific laboratory 
investigations are performed on ES core material, with ES reservoir fluids and at ES 
reservoir conditions (Papers 2 and 3). A more detailed description of the ES field pilot 
project (reservoir geology, history, injection strategies, modeling and surface facilities) 
can be found elsewhere [73, 74].  
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Figure 3: Map of the inverted 5-spot well pattern (gray shaded area) of the East Seminole carbonate 
field, located in the Permian Basin, West Texas. The well-pattern consists of one injector (L14, red 
dot) and four producers (L12, L25, L21 and L32, green dots).  
1.6 Bottom-up Multi-Scale Approach 
The scientific approach used to evaluate nanoparticle- and surfactant-stabilized CO2-
foam performance includes a multi-scale laboratory component and a field-scale 
numerical simulation component. Data collected during field-scale implementation of 
the laboratory tested foam system will form an optimal process for knowledge-building 
and enhance understanding related to the up-scaling approach. Emphasis is put on 
increasing the statistical significance of laboratory data by performing repeated 
experiments at equal conditions, thereby improving accuracy of reported results. 
Ultimately, this reduces decisional risks and improves the predictions from foam model 
simulations. In general, the approach attempts to establish casual links between input 
parameters and measured responses by: i) varying one parameter at a time; and ii) 
introducing one new variable at a time. The latter increases the overall complexity of 
the systems in a controlled manner. The process is illustrated in Figure 4. 
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Figure 4: Illustration of the multi-scale approach implemented to describe CO2-foam behavior in 
porous media and determine CO2-foam performance. The integrated approach includes an up-scaling 
of complexity from pore-scale (micromodels) injections of foam without oil, to core-scale evaluation 
on reservoir material with oil. Numerical up-scaling is performed based on laboratory determined 
parameters for field implementation of the foam system. 
1.6.1 Pore-Scale 
By performing the investigations at the smallest scale relevant for the application of 
CO2-foams (pore-scale), 2D silicon wafer micromodels enable direct visual 
observations of fluid flow, phase distributions and foam texture. Facilitating a 
controlled environment based on thin sections of realistic reservoir material, the 
micromodels include some of the complexity of reservoir porous media (aspect ratio, 
pore size distribution), while eliminating others (clay content, minerals and wettability 
alteration). The micromodels furthermore show high resistance to adverse effects from 
high-pressure co-injections of CO2 and water (e.g. carbonate core plugs dissolve in the 
acidic environment). From a methodological point of view, the latter property is 
advantageous when evaluating different foam systems, as the porous media is 
invariable for all sets of experiments. This dissertation implements pore-scale 
observations mainly for qualitative foam evaluation (increased lamella generation from 
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adding foaming agents, foam transport and foam texture), but a procedure for 
evaluating static foam strength was developed and implemented. 
1.6.2 Core-Scale 
Implementing similar injection methods as described for pore-scale, injection in 
reservoir core plugs enables insight into the causal relationship between foam system 
parameters and data collection for input to simulation models. Quantitative evaluations 
of foam performance at this scale increase the overall understanding of foam floods 
and contribute to field pilot decision-making processes by determining injection 
strategy, surfactant concentration and slug sizes.  
Foam scans  
Foam scans (Papers 2, 3 and 4) are implemented to evaluate foam strength at different 
gas fractions (foam quality scans) and injection rates (foam rate scans) through 
apparent viscosity calculations (Equation 1). Saturation profiles during foam scans can 
be obtained based on average fluid saturations (Paper 4).  
EOR floods 
Co-injections of CO2 and brine (with or without foaming agent) in tertiary EOR mode 
provide quantitative evaluation of foam performance based on incremental oil 
recovery, foam strength and CO2 storage (Papers 2, 3, 5 and 6).  
1.6.3 Field-Scale Modeling 
Foam flow is modeled to determine the injection strategy for the field pilot and predict 
foam performance. There exists a wide variety of models that capture the mobility 
reduction effect of foams in porous media. These can be divided into population 
balance (PB) and local equilibrium (LE) models which differ in terms of their level of 
detail and complexity. PB models include the dynamics of foam flow on pore-scale 
(foam generation, destruction and trapping) to fully describe the governing dynamics 
of foam flooding [63, 75-77]. The advantages of PB models are that they yield a more 
comprehensive description of the foam dynamics. The high computational cost and 
laboratory challenges related to determine required input parameters, on the other hand, 
are considered drawbacks. LE models include foam effects through a gas mobility 
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reduction factor. Explicit analysis of foam dynamics are thus excluded. This indirect 
approach reduces the computational intensity, which is one of the main reasons why it 
was selected for the field up-scaling approach presented in this dissertation. 
Comparable results from foam modeling on both laboratory- and field-scale are 
reported in various studies [75, 78, 79]. All field simulations for this pilot project use 
a conventional reservoir simulator (ECLIPSE 300) with an embedded LE model [80]. 
The aggregate effect of foam is included by multiplying gas relative permeability, 𝑘𝑟𝑔
𝑛𝑓
, 
with a (modeling) mobility reduction factor (FM), obtaining gas relative permeability 







∙ 𝐹𝑀 (9) 
FM incorporates the effects of water saturation, shear rate, surfactant concentration and 








where fmmob is a constant referred to as the reference mobility-reduction factor and is 
obtained from laboratory measurements (maximum apparent viscosity during foam 
quality scan, Paper 2). A more detailed description is given elsewhere [81, 82]. The 
laboratory determined results are included in the model by regression analysis obtained 
from minimizing the sum of the differences, ψ(x), between experimental data points 
and the regression function [83]: 
 







where x is the vector of foam model parameters, μapp,i  and 𝜇𝑎𝑝𝑝,𝑖
𝑒𝑥𝑝.
 are the apparent 
viscosities from the regression and laboratory experiments, respectively.  
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2. Results and Discussions 
This section summarizes the pure CO2 injections and field specific results for the East 
Seminole pilot (2.1) described in Papers 1, 2 and 3, the observations from nanoparticle-
stabilized CO2-foams (2.2) treated in Papers 4, 5 and 6 and CO2 storage potential (2.3) 
discussed in Papers 2 and 6. A brief quantitative assessment of carbon negative oil 
production from CO2-foams using nanoparticles and surfactants as foaming agents is 
included in Section 2.3. The bottom-up approach is implemented throughout this 
section. For direct pore-scale visualization, high-pressure silicon-wafer micromodels 
were implemented since they provide insight into foam texture, foam stability and fluid 
flow diversion. Foam generation and stability were evaluated with respect to foaming 
agents during dynamic and static conditions. The same CO2-foam systems were tested 
in core plugs to evaluate foam behavior at different gas fractions (foam quality scans) 
and rates (foam rate scans) during co-injection. The final laboratory approach included 
foam injections in core plugs saturated with oil to quantify foam performance in terms 
of stability, EOR and CO2 storage. Numerical simulations evaluated foam performance 
on field-scale based on laboratory derived input data.  
2.1 CO2-Foam from Lab-to-Field 
Developing field specific CO2-foam systems requires a comprehensive understanding 
and testing of multi-phase flow in porous media. Obtaining input for numerical 
modelling requires use of field fluids and material at field conditions, wherever 
possible.   
2.1.1 CO2 Injection for EOR and CO2 Storage 
Main results (Paper 1) include: 
 CO2 flows through tight shale oil core plugs without introducing fractures  
 Unstable CO2 fronts cause early breakthrough and low sweep 
Continuous CO2 injections for EOR in tight shale oil reservoir core plugs were 
investigated in Paper 1. Implementing water injection for EOR in unconventional tight 
reservoirs is less efficient compared to conventional reservoirs due to the ultra-low 
 25 
permeability associated with matrix composed of micro- and nano-pores. The 
injections were performed without introducing fractures to the reservoir rock with inlet 
pressures of 22 MPa and temperatures of 60ºC. Results demonstrate the feasibility of 
utilizing CO2 flooding as a recovery mechanism in shale oil formations and that CO2 
displaced oil during differential pressure driven EOR, at laboratory scale. Observations 
indicate unstable displacement front, low sweep and early CO2 breakthrough indicative 
of gas channeling (Figure 5). This is likely related to the high mobility ratio between 
injected CO2 and displaced crude oil. 
 
Figure 5: Oil recovery factor as a function of pore volume CO2 injected during CO2-EOR in four 
reservoir shale oil core plugs. Early CO2 breakthrough was observed, indicative of gas channeling. 
Recovery profiles (Figure 5) suggest low viscous displacement in the early stages of 
injection and an oil production dominated by diffusion. Diffusion dampens the adverse 
effects of viscous fingers and gas channeling, explaining the prolonged tail production. 
Visual observations of produced oil color from experiments with different injection 
time and system size (large system, longer injection time: three core plugs stacked in 
succession; small system, shorter injection time: single core plug) corroborated oil 
displacement from diffusion. Heavier components (darker oil) were produced from 
longer injection time (large system injection time: 117 hours) compared to lower 
injection time (single core: 6 hours) (inset, Figure 6) [84]. On a larger scale, diffusion 
is perceived to be slower than capillary and viscous driven displacement processes. It 




































Figure 6: Oil recovery factor as a function of pore volume CO2 injected for a large system (high 
injection time, primary horizontal axis) and a single core plug (low injection time, secondary 
horizontal axis). Differential pressure is constant over the systems, hence the pressure gradient for the 
single core plug was ~3 times higher than the large system. Earlier CO2 breakthrough and a lighter 
oil composition were observed (inset), corroborating increased miscibility from diffusion as the main 
recovery mechanism on core-scale (increased CO2 exposure time). 
On average, single core injections yielded a final oil recovery Rf = 31.9 ± 6.1% of OOIP 
after injecting 24.7 ± 4.3 PV CO2 (average injection time of 22.0 ± 2.9 hours) for 12 
injection tests, compared to Rf = 55.3 ± 8.7% of OOIP after injecting 3.4 ± 0.2 PV CO2 
(injection time of 117 hours) for one injection test in a large system. Additional 
recovery is assumed to mainly occur from the developed multi-contact miscibility 
caused by molecular diffusion, shown to be an efficient CO2-EOR mechanism at core-
scale [86]. 
2.1.2 CO2-Foam at Pore-Scale 
Main results (Paper 2) include: 
 Verification of foam generation, CO2 mobility reduction and flow diversion 
from pre-selected surfactant 
 Developing a method for determining in-situ performance of foaming agents 
As part of the integrated approach to test and up-scale a foam system for field 
implementation, high-pressure silicon-wafer micromodels were used for pore-scale 
visualization. This provides direct insight into foam performance from foam texture, 
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foam stability and CO2 mobility reduction during flow. It therefore verifies the ability 
of the foam system to generate and stabilize lamellae at elevated pore pressures with 
reservoir brines.  
A baseline (co-injection of brine and CO2 at fg = 0.70) flow test was performed to 
evaluate phase distributions in a two-phase system without a foaming agent. Visual 
observations showed few CO2 bubbles and a gas phase spanning several pores without 
being separated by lamellae (Figure 7). Most of the observed lamellae is caused by 
leave-behind from CO2 displacing water (Section 1.4.2), a configuration characterized 
by low CO2 mobility reduction [25, 38]. 
 
Figure 7: Baseline co-injection of brine and CO2 at 9.0 MPa and 20ºC with a constant gas fraction of 
0.70. The light blue regions are solid grains, water phase in red and CO2 in gray. Continuous CO2 
phase spanning several pores suggested limited CO2 mobility reduction and lamellae generation by 
leave-behind mechanism. The orange arrows indicate CO2 flow zones within the field of view. Water 
primarily saturated smaller pores and was continuous throughout the pore space, whereas CO2 flow 
occurred in the medium to large pores. Isolated CO2 bubbles are indicated with yellow circles. 
The effect of adding SurfA to the brine (Csurf = 1 wt%) was evaluated by performing 
co-injections at the same conditions as for the baseline. A strong CO2-foam was 
generated with high bubble concentration indicative of high CO2 mobility reduction 
(Figure 8) [37, 60, 61]. In contrast to baseline, several CO2-in-water bubbles occupied 
each pore and the gas phase did not span across several pores.  
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Figure 8: Comparison between co-injection without (top) and with (bottom) SurfA. The light blue 
regions are solid grains, water phase in red and CO2 in gray. Co-injections performed at 9.0 MPa and 
20ºC with a constant gas fraction of 0.70. Compared to baseline, bubble concentration is 2-3 orders 
of magnitude higher for the surfactant-stabilized CO2-foam, implying high gas mobility reduction. 
Static stability 
Increased stability from foaming agents can be quantified by half-life measurements 
[87, 88]. The method is often implemented on bulk foams situated in foam columns 
where half-life is defined as the time it takes for a static foam to reduce its height by 
50%. Effect of foaming agent concentration and oil composition can be evaluated based 
on differences in half-life times [89]. To determine the static foam strength at elevated 
pressures, rate of foam coalescence was measured during static conditions in 
micromodels, for 72 hours. Normalized bubble concentration (ratio of bubble 
concentration to initial bubble concentration) in the field of view was used to quantify 
foam stability through half-life calculations (Figure 9). This approach enables direct 
quantitative comparisons between foaming agents in a porous media at elevated 
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pressures. It furthermore allows the effects of foaming agent concentration, brine 
composition and oil saturation to be investigated with respect to foam stability (this, 
however, is not included in this dissertation). Observations showed a decreasing rate 
of coalescence over the first 35-40 hours before asymptotically approaching a constant 
normalized bubble concentration of 0.37 ± 0.06, with a half-life of 13.6 ± 4.0 h. 
 
Figure 9: Normalized bubble concentration (red dots) in field of view as a function of time, at static 
(no-flow) conditions. Purple dot represents the foam half-life, calculated from a best-fit regression 
analysis. Inset pictures show foam texture at beginning (0h) and end (72h) of the static test. The light 
blue regions are solid grains, water phase in red and CO2 in gray. 
Flow diversion from CO2-foam 
During co-injections with surfactant, CO2-foam generation was shown to block-off an 
existing flow zone and divert fluid flow elsewhere (Figure 10). Several cycles of brine 
and CO2 propagated in an alternating sequence through the “high flow zone” (yellow 
rectangle, Figure 10). Picture D captures high CO2 and brine flow, within the same 
zone, resulting in a high foam generation (picture E). Local static conditions were 
established for ~7 minutes, during which a total of ~12 PV were injected. This suggest 
CO2-foam block-off with resulting fluid flow diversion at pore-scale. 
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Figure 10: Block-off and flow diversion as a result of CO2-foam generation at pore-scale. The light 
blue regions are solid grains, water phase in red and CO2 in gray. A-C show a flow zone (yellow dotted 
rectangle) gradually filling with water. Yellow arrow indicates direction of flow. CO2 and water flowed 
simultaneously (D) before a high bubble concentration foam was generated (E). No flow was observed 
for ~7 min, implying that injected fluids were diverted away from field of view, due to foam. A total of 
12 PV were injected between E and F.  
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2.1.3 CO2-Foam at Core-Scale 
Main results (Papers 2 and 3) include: 
 Surfactant concentration (Csurf = 0.5 wt%), injection strategy (rapid SAG) and 
slug sizes (average gas fraction set to 0.70) were determined for the field pilot  
 Foam system shows high gas mobility reduction and shear-thinning behavior 
 Simulations indicate favorable foam responses in field 
The foam system were tested in core plugs to evaluate foam strength at different gas 
fractions and injection rates, before being implemented on core plugs saturated with oil 
to evaluate foam performance with regards to EOR efficiency and CO2 storage. All 
injections were performed at reservoir temperature and pressure (~17.5 MPa and 40ºC) 
with reservoir fluids.  
Foam scans 
Foam scans were performed to evaluate foam strength and flow behavior at different 
gas fractions (foam quality scan) and injection rates (foam rate scan). The former scan 
gives information about the foam strength at different steady-state gas fractions 
(constant injection rate), whereas the latter scan relates to the rheological properties of 
the foam in porous media (constant gas fraction). Results from both sets of experiments 
are directly implemented in the simulation model. Foam scans used a drainage-like 
injection sequence: co-injection of CO2 and brine with a monotonic increasing gas 
fraction or injection rate. The foam rate scan shows that the foam was shear-thinning 
(non-Newtonian) where apparent foam viscosity decreased with increasing injection 
rate (Figure 11) [65]. This is favorable during field injection because it reduces the risk 
of injectivity problems related to pressure build-up in the near-well region and 
promotes in-depth mobility control. The injection rate for foam quality scans was 
selected based on the highest apparent viscosity during the foam rate scan, i.e. a 
superficial velocity of 1.0 ft/day (Figure 11).  
To evaluate mobility reduction from foam injection a baseline co-injection was 
performed at the same conditions, without SurfA. The highest apparent viscosities, i.e. 
strongest foam [90, 91], were obtained with an apparent viscosity of 44.3 mPas and 1.8 
mPas at fg = 0.60 and fg = 0.50 for surfactant and baseline co-injections, respectively. 
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The mobility reduction factor (MRF) during foam injections were 25.5 (fg = 0.60) and 
25.4 (fg = 0.70). 
Laboratory injections are performed as co-injections to promote steady-state flow 
conditions, whereas a surfactant alternating gas (SAG) injection sequence will be 
implemented in the field. Gas fractions measured on core-scale are analogue to the 
average gas fraction (in each slug-sequence) at field-scale. The insignificant reduction 
in MRF from increasing gas fraction (fg = 0.60 to fg = 0.70) reduces surfactant usage 
(and cost) at field-scale (25% reduction). A macroscopic average gas fraction of 0.70 
was therefore selected for the field pilot slug sizes.  
 
Figure 11: Apparent viscosity (primary vertical axis) as a function of superficial velocity (purple: 
secondary horizontal axis) and gas fraction (green and blue: primary horizontal axis) during 
drainage-like co-injection of CO2 and brine. Blue: baseline quality scan, co-injection of brine and CO2 
at fixed injection rate (1 ft/day). Green: surfactant-stabilized foam quality scan, co-injection of 
surfactant solution and CO2 at fixed injection rate (1 ft/day). Optimal gas fraction is defined as the 
maximum apparent viscosity and is represented with a red square, indicating fg = 0.60 as the optimal 
gas fraction for foam injection in reservoir rock. CO2-foam shows shear-thinning behavior (purple: 
secondary horizontal axis) during co-injections with constant gas fraction (fg = 0.70). 
Surfactant concentration 
Surfactant usage has a major impact on the financial evaluation of foam injections on 
field-scale. Two sets of experiments (with surfactant concentrations of 0.5 and 1.0 
wt%) were performed in reservoir core plugs to determine the surfactant concentration 
for field injections: i) foam quality scans with oil (oil saturation at approximately Sor); 
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and ii) tertiary CO2-foam injections for EOR. Foam quality scans enable direct 
comparison between foam strength and surfactant concentrations, while EOR 
injections evaluate foam performance with respect to foam strength and incremental 
oil production.  
The foam quality scans were performed on aged reservoir core plugs after tertiary CO2-
foam injection for EOR to replicate field conditions. The results (Figure 12) display 
reduced foam strength with lower surfactant concentration (apparent viscosity is 
reduced by ~35%). With a monotonically decreasing foam strength as a function of gas 
fraction, the foam behavior differs significantly from foam scans in the water-wet 
reservoir core plug (Figure 11). This discrepancy is related to the change in initial 
conditions (wettability and fluid saturations), where foam strength is known to be 
adversely affected by oil [64] and reduced water wetness [35]. Due to the injection 
sequence (foam scans initiated after tertiary CO2-foam injection), hysteresis effects 
related to gas saturation are likely present and have demonstrated an ability to alter 
foam behavior (see discussion on hysteresis effects in Paper 4 and Section 2.2.2).   
 
Figure 12: Average apparent viscosity as a function of gas fraction during drainage-like co-injection 
of CO2 and surfactant solution with concentrations of Csurf = 1.0 wt% (gray, two injection tests) and 
Csurf = 0.5 wt% (black, three injection tests). Error bars: uncertainties as standard error from the 
mean.  
CO2-foam injections in reservoir core plugs were performed with the same surfactant 
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incremental oil recovery during tertiary EOR; and ii) pressure gradient increase (ratio 
of pressure gradient at the end of foam injection to pressure gradient at the end of water 
injection). A pure CO2 injection was performed as a baseline for comparison, and gas 
fraction was held constant at fg = 0.70 during co-injections. No adverse effects on 
incremental oil recovery (ΔRf = 29.2 ± 1.6% of OOIP with Csurf = 1.0 wt% and ΔRf = 
28.5 ± 2.8% of OOIP with Csurf = 0.5 wt%) or foam strength (ΔP/m increase = 264 ± 
48% with Csurf = 1.0 wt% and ΔP/m increase = 301 ± 94% with Csurf = 0.5 wt%) were 
observed from a reduction in surfactant concentration (Figure 13).  
 
Figure 13: Incremental oil recovery and corresponding increase in pressure gradient during foam 
injection with Csurf = 1.0 wt% (two injections tests) and Csurf = 0.5 wt% (three injection tests). Pure 
CO2 injection (one injection test) is included as baseline for comparison. Uncertainties are given as 
standard error from the mean value when the number of injection tests, N, is larger than 1, and as 
measurement uncertainty when N=1.  
A higher incremental oil recovery with a lower corresponding pressure gradient 
increase was observed from the pure CO2 flood (Figure 13). The effect of CO2 diffusion 
is larger at core-scale compared to what is expected at field-scale, mainly due to there 
being a high surface area to bulk volume and smaller system size (Paper 1, Section 
2.1.1). In addition, co-injections are expected to increase water shielding (water-films 
between CO2 and oil [92, 93]) which reduces CO2-oil contact area and adversely affects 
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Reducing the surfactant concentration from Csurf = 1.0 wt% to Csurf = 0.5 wt% decreased 
foam strength during foam quality scans at low oil saturation (Figure 12). This 
reduction is not observed to transfer to or reduce efficiency of tertiary CO2-foam 
injections for EOR in reservoir core plugs. Based on the obtained experimental data 
(and financial considerations), the field pilot surfactant concentration was determined 
to be 0.5 wt% SurfA in brine. CO2 to brine slug size ratio (during SAG injections in 
the field) was set to 70% based on foam quality scans.  
2.1.4 CO2-Foam at Field-Scale 
To establish a field-scale injection strategy, parameters from laboratory experiments 
(rate scan, quality scan and end-point relative permeability measurements) must be 
integrated with the history matched dynamic reservoir model (Paper 3). Four 
simulation cases were carried out to determined slug sizes (Figure 14). The foam 
performance was evaluated with respect to gas-oil ratio (GOR), CO2 utilization factor 
(UFCO2), CO2 mobility reduction and incremental oil recovery. The simulations 
included a (baseline) water alternating gas (WAG) and three SAG injections with 
different slug sizes; single cycle (big), rapid cycle (small) and multi-cycle (medium) 
(Paper 3). Simulations indicated favorable effects from foam (Figure 14). Oil recovery 
estimates are highly sensitive to CO2 volumes injected, which is adversely affected by 
increased injectivity during SAG. More accurate predictions of injectivity reduction 
can be obtained when actual field data (from the first SAG cycle) are available.  
 
Figure 14: Left: one year field GOR for WAG (gray), multi-cycle SAG (black), rapid SAG (blue) and 
single cycle SAG (red). Right: CO2 utilization factor (Mscf/bbl) for the different injection strategies.  
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2.2 Nanoparticles for CO2-Foam 
This section summarizes the work to evaluate nanoparticles as possible foaming agents 
in sandstones, where the dissertation focuses on two aspects of the used nanoparticles. 
Firstly, the physiochemical properties of the nanoparticles are characterized in aqueous 
suspensions (nanofluids). This includes measuring nanoparticle size distributions, 
nanofluid stability and nanoparticle effects on IFT. Secondly, the nanoparticles are 
evaluated in terms of their behavior in porous media. This includes retention analysis 
and quantifying their performance as foaming agents in CO2-foam floods. A similar 
bottom-up approach as presented in Section 2.1 is implemented, i.e. the total system 
complexity is developed by a gradual introduction of new parameters or increasing 
system size (from pore-scale to core-scale). Foam performance was evaluated with 
respect to incremental oil recovery, foam strength and CO2 storage, where 
nanoparticle-stabilized foams were compared to surfactant-stabilized foams (using 
AOS surfactant (Paper 4) and SurfA, Section 1.4.1).  
Two nanoparticles (NPA: hydrophilic and NPB: less hydrophilic) were used in this 
dissertation. NPA is a commercially available silane modified colloidal silica, Levasil 
CC301 (illustrated in Figure 15). The modification produces a hydrophilic surface and 
a steric stabilization, resulting in an increased salt stability compared with unmodified 
silica particles. NPB is also silane modified, but less hydrophilic compared to NPA, 
and only used during tertiary EOR injections due to poor performance (Paper 5).  
 
Figure 15: Illustration of the silane modified nanoparticle A. Published with permission from 
Nouryon. 
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2.2.1 Nanoparticle and Nanofluid Characterization 
Main results include: 
 Asymmetric nanoparticle size distributions with mean diameter ~20 nm 
 SurfA reduces IFT (oil/water) more than nanoparticles 
Foam stability is dependent on nanoparticle size, where smaller nanoparticles have a 
higher propensity to stabilize lamellae [94, 95]. The effect of nanoparticle size on foam 
strength can be understood through Equation 8, where the energy required to desorb a 
particle from an interface is proportional to the square of the particle radius. A larger 
radius increases the energy required to remove the nanoparticle from an interface. This 
implies that the energy required for nanoparticles to migrate to the interface is inversely 
proportional to their size [96-98]. In addition, the nanoparticle size and their size 
distribution give information about the likelihood of mechanical trapping in pore 
throats during flow in porous media. From dynamic light scattering, size distributions 
show a mean nanoparticle diameter of 23.3 nm (standard deviation, SD = 7.9 nm) and 
20.3 nm (SD = 6.8 nm) for NPA and NPB, respectively. The size distributions are 
slightly asymmetrical, indicated by the right-skew in Figure 16. 
 
Figure 16: Size distribution of 0.5 wt% NPA and NPB dispersed in brine with 2 wt% NaCl. 
Measurement from dynamic light scattering at room temperature based on intensity (%). 
EOR performance from nanofluids is related to the IFT between the fluids (Equations 
5 - 8). IFT was measured in water/oil- and water/air-systems at ambient conditions 


























performed with the du Nouy ring method (KSC Sigma 700 force tensiometer) and 
water/oil measurements with the pendant drop method (OCA 20 measuring device). 
Results showed that the IFT reduction was highest for the surfactant (85 ± 21%), 
followed by NPB (54 ± 3%) and NPA (5 ± 1%) for concentrations ranging from 0 to 1 
wt% (Figure 17). An IFT reduction of ~20% was observed in water/air-systems with 
nanoparticle concentrations ranging from 0 to 1 wt%.  
 
Figure 17: IFT in water/oil- and water/gas-systems for aqueous dispersions of brine and foaming 
agents at different concentrations (1 wt% = 10 000 mPPM). Error bars: uncertainties as standard 
error from the mean. 
Nanofluid stability 
Temperature, salinity, and pH have a direct effect on the interaction between 
nanoparticles and can result in aggregation and nanofluid instability [99]. Instability 
can lead to injectivity reduction (formation of highly viscous nanofluid or nanoparticle 
trapping in the near-well area) and reduced ability to stabilize foam lamellae. In 
general, nanoparticle aggregation depends on: i) salt concentration (aggregation occurs 
above a critical salt concentration); ii) temperature (critical salt concentration decreases 
with increasing temperature); iii) pH of the solution (aggregation is reduced with pH 
reduction); and iv) nanoparticle concentration (aggregation increases with increased 
nanoparticle concentration). To evaluate the stability of NPA, static and dynamic 


















Concentration foaming agent [mPPM]
NPA w/g NPB w/g NPA w/o
NPB w/o SurfA w/o
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(Table 1) high stability of NPA at concentrations from 0.15 - 0.50 wt%, in brines with 
NaCl concentrations up to 20 wt% and CaCl2 concentrations up to 5.0 wt% at different 
temperatures (20ºC - 120ºC). 
Table 1: Stability of NPA  in brines at static and dynamic conditions. 










Static 1500, 3000, 5000 
NaCl 2, 5, 10, 15, 20 40 75 




NaCl 15.0 20 15.7 
NaCl 15.0 20 
3.9 
CaCl2 1.5 20 
NaCl 15.0 20 
2.7 
CaCl2 5.0 20 
NaCl 20.0 20 
3.9 
CaCl2 5.0 20 
NaCl 2.0 120 0.8 
NaCl 2.0 60 0.8 
 
2.2.2 CO2-Foam at Pore-Scale by Nanoparticles 
To determine foam response (generation and stability) of adding NPA to brine, direct 
pore-scale evaluation of foam texture and generation was implemented during co-
injection without oil (as described in Sections 1.6.1, 2.1.2 and Paper 2). Fluids were 
injected with a constant gas fraction of 0.70, at 90 bar, temperatures of 20ºC and a NPA 
concentration of 0.15 wt%. The observations were compared to baseline co-injections 
(without a foaming agent) and co-injections with surfactant solution (1 wt% SurfA). 
Visual comparisons between baseline and NanofluidA injections showed no significant 
effect in terms of foam generation when adding NPA to the brine (Figure 18). 
Occasional appearances of small CO2-in-water bubbles, however, (very low bubble 
concentration per unit area compared to surfactant-stabilized bubble concentrations) 
were observed (yellow arrow, Figure 18). The bubbles were smaller than bubbles 
occurring during baseline injections (Figure 7), suggesting that they might be caused 
by the nanoparticles. Low bubble concentration for multiple injection tests, indicates 




Figure 18: Direct evaluation of foam texture and generation during co-injection of CO2 and brine 
(with or without foaming agent) at fixed gas fraction (fg = 0.70), pore pressures of 90 bar at 20ºC. The 
light blue regions are solid grains, water phase in red and CO2 in gray. NPA (0.15 wt%) showed no 
foam generation compared to baseline, whereas SurfA (1 wt%) generated strong foams with high 
bubble concentration. Yellow arrow points to an occasional occurrence of CO2-in-water bubbles, 
significantly smaller than the observed bubbles during baseline injections. 
2.2.3 CO2-Foam at Core-Scale by Nanoparticles 
Main results (Papers 4 and 5) include: 
 Nanofluids flow unrestricted through sandstones with low retention 
 The nanoparticles generate CO2-foam during foam scans without oil 
 Surfactant-stabilized foams are several times stronger than nanoparticle-
stabilized foams during foam scans without oil 
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 In presence of crude oil, surfactant-stabilized foams collapse 
 Nanoparticles display stabilizing effects in presence of crude oil 
Retention 
Using nanoparticles for CO2-foam applications in porous media depends on their 
ability flow relatively unhindered through the reservoir. Retention is a measure of total 
particle loss to the formation and was evaluated from effluent production analyses 
during single-phase nanofluid injections (Papers 4 and 6). Retention incorporates the 
effects from: i) adsorption: particles adhering to the pore walls; ii) mechanical trapping: 
particle flow is blocked due to narrow pore throats; iii) gravitational settling: low flow 
rate relative to density differences between particles and aqueous phase results in a 
downward particle migration; iv) log-jamming: pore blocking by two or more particles 
with an individual size smaller than pore throat; and v) gelification: particles being 
trapped due to formation of highly viscous, no-flow, gels [100-102]. The total retention 
was calculated as the ratio of retained particles (mg) to the mass of the core plug (g) 
and measured at 20ºC and 120ºC, to evaluate the effect of temperature (Figure 19). 
 
Figure 19: Normalized nanoparticle concentration at the effluent as a function of PV injected in 
sandstone core plugs. Pore pressure of 1 bar and temperatures set to 20ºC and 120ºC. To the left of 
the vertical dashed black line: nanofluid with a nanoparticle concentration of 1500mPPM is injected 
at a constant volumetric rate of 50 mL/h (superficial velocity of ~ 2 ft/day). At ~ 4.5 - 4.7 PV injected, 
fluid is changed to brine (0 mPPM nanoparticles) and a post-flush is commenced at the same injection 
rate for an additional ~ 4.7 – 5.2PV (to the right of vertical dashed black line). 
Total retention was 0.40 mg/g at 20ºC (Paper 4) and 0.53 mg/g at 120ºC (Paper 6), 
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temperature. Measured retention is similar to prior reported research in sandstones 
[103, 104], where the conversion factor from mg/g to mg/m2 was selected as the 
specific surface area, 0.347 m2/g, reported elsewhere [105]. Elution (ratio of particles 
re-mobilized during post-flush to mass of retained particles) was measured to 0.17 and 
0.19 at 20ºC and 120ºC, respectively. This means that close to 20% of the retained 
particles are re-mobilized during the post-flush. Adsorption of SurfA on carbonate 
minerals is 0.9 mg/m2 (~0.77 mg/g) at 80ºC, reported elsewhere [48].  
Foam scans 
Foam scans were performed with a nanofluid concentration of NPA of 1500 mPPM at 
temperatures of 20ºC and 90 bar pore pressures to evaluate nanoparticle-stabilized 
CO2-foam strength and flow behavior at different gas fractions and injection rates. 
Foam was generated in-situ, and the effect of hysteresis was evaluated by implementing 
two different injection strategies: i) drainage-like flow sequence (co-injections with a 
monotonic increasing gas fraction from 0.1 to 1.0); ii) imbibition-like flow sequence 
(co-injections with a monotonic decreasing gas fraction from 1.0 to 0.1). From foam 
quality scans the main results showed that (Figure 20): i) NanofluidA generated and 
stabilized CO2-foam; ii) near-Newtonian foam behavior; and iii) optimal gas fraction 
at fg = 0.70, with a MRF of 2.8 (120 mL/h: 8.5 ft/day), 3.8 (180 mL/h: 12.7 ft/day) and 
3.7 (240 mL/h: 16.9 ft/day). 
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Figure 20: Apparent viscosity as a function of gas fraction during drainage-like co-injection of CO2 
and NanofluidA (solid lines) in Bentheimer sandstone. Co-injections with NPA were benchmarked 
against baseline co-injections with CO2 and brine (dashed lines) at identical conditions.  
Hysteresis effects on foam behavior were evaluated by comparing drainage-like 
(Figure 20) and imbibition-like apparent viscosities (Figure 21). A significant 
hysteretic effect related to gas fractional flow sequence indicated that foam strength is 
dependent on the history of the saturation change, i.e. previous injections conducted in 
the core plug [106]. This observation is important when obtaining input to simulation 
models. The application of foam scans for injection strategies in field are discussed in 
Sections 1.6.3 and 2.1.3, where the highest apparent viscosity measured is used to 
determine injection slug size ratios and as input in simulation models (e.g. fmmob, 
Equation 10). This finding influenced the decision of performing foam scans on 100% 
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Figure 21: Hysteresis effect during foam scans at different injection rates in Bentheimer sandstone. 
Foam behavior differs significantly during imbibition-like injection sequence (dotted lines, IL) and 
drainage-like injection sequence (solid lines, DL). Optimal apparent viscosities were 7.8 mPas for 
drainage-like injection sequence (at fg=0.70) and 14.2 mPas for imbibition-like injection sequence (at 
fg=0.35). Near-Newtonian foam behavior was observed for both injection sequences.  
By measuring the gas saturation in the core plug during a full injection cycle (drainage-
like followed by imbibition-like) a significant difference in gas saturation was found 
(Figure 21). This suggests that gas saturation contributes to some of the reduction in 
flow potential for the core plug, but no consistent correlation between gas saturation 
and apparent viscosity was found. Hence, hysteresis from gas saturation cannot explain 
the total observed discrepancy. Although trapped gas (immobile gas due to foam 
generation and stationary liquid films) reduces gas flow relative to flowing gas and has 
previously been reported to significantly influence gas mobility [107], this cannot be 























IL 240 mL/h IL 180 mL/h IL 120 mL/h
DL 120 mL/h DL 180 mL/h DL 240 mL/h
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Figure 22: Apparent viscosity (dashed lines, primary vertical axis) and average gas saturation (solid 
lines, secondary vertical axis) as a function of gas fraction for a full cycle injection sequence 
(drainage-like: red, imbibition-like: blue). Increased gas saturation difference is observed during 
increasing apparent viscosity of imbibition-like injection sequence.  
Effect of foaming agent 
For comparison, a surfactant-stabilized CO2-foam was evaluated under the same 
experimental conditions (AOS surfactant, Figure 23). Results showed a significant 
increase in foam strength, with a maximum apparent viscosity over two orders of 
magnitude higher than nanoparticle-stabilized foams (1.70 Pas at 120 mL/h and 0.88 
Pas at 240 mL/h). Optimal gas fraction was achieved at fg = 0.90 and the foam displayed 
shear-thinning behavior following from increased injection rate (120 mL/h to 240 
mL/h). Results indicate higher foam generation from surfactants, and a reduced ability 
to stabilize foams at increased injection rates (shear-thinning). Nanoparticle-stabilized 

















































Figure 23: Comparison of foam strength (apparent viscosity) with nanoparticle-stabilized CO2-foams 
(blue and green lines, primary vertical axis) and surfactant-stabilized CO2-foams (gray lines, 
secondary vertical axis) as a function of gas fraction and injection rate. All injections followed a 
drainage-like injection sequence, and were performed in sandstone at the same experimental 
conditions.  
Foam performance for EOR depends largely on the ability of the foaming agent to 
remain stable in the presence of oil [64]. To further evaluate the potential of 
nanoparticles as foam stabilizing agents, several foam injections were performed in 
crude oil saturated sandstone core plugs (Paper 5). The effects of nanoparticle 
concentration and degree of hydrophilicity (NPA vs. NPB) were examined and 
compared to foam performance of surfactant-stabilized foams at the same conditions. 
Emphasis was put on increasing the statistical significance of reported results. Several 
sets of experiments were performed (three or four) and oil production was measured at 
every 0.1 PV injected to facilitate statistical analysis of recovery profiles. Reported 
results are given with uncertainties as standard error from the mean for all sets of 
experiments (N>1) and as measurement uncertainty for single injection tests. The 
temperature was increased from 20ºC (foam scans) to 60ºC, pore pressures were kept 
at 90 bar and SurfA was used.   
Baseline co-injections produced 8.2 ± 2.2 %* (%* = percentage-points) incremental oil 
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with 39 ± 4% (ratio of pressure gradient at the end of co-injection to pressure gradient 
at the end of waterflood). By comparing the increase in pressure gradient to incremental 
oil recoveries for several sets of co-injections, three main observations were made 
(Figure 24). Firstly, all co-injections with NPA and NPB show a positive correlation 
between incremental oil recovery and pressure gradient increase compared to baseline 
injections. This suggests that nanoparticles generate and stabilize CO2-foams in 
presence of crude oil, yielding a higher recovery factor. NPA increased the pressure 
gradient by a factor of 3 and recovered 71 ± 29% more oil compared to baseline co-
injection (baseline 8.2% of OOIP; NPA 14.1% of OOIP). The observed effect of 
increasing the nanoparticle concentration from 1500 mPPM to 5000 mPPM was 
insignificant with respect to oil production (1.3 %* OOIP increase), but the foam 
stabilizing effect was larger (191 ± 39% increase in pressure gradient, a factor 5 higher 
than baseline). Secondly, NPB (less hydrophilic) improved oil recovery and foam 
strength to a much smaller degree compared to NPA. For hydrophilic particles, a lower 
degree of hydrophilicity increases adsorption energies on interfaces (Equation 8, 
Section 1.4.2) which seems to adversely affect foam performance. This might relate to 
the ratio of nanoparticles located at the interface between brine and CO2, which is 
expected to be lower for less hydrophilic particles because of the energy required to 
move from bulk to the interface. And lastly, SurfA greatly improved the oil recovery 
(15.9 ± 1.4% of OOIP), whereas the pressure gradient decreased during co-injection (-
13 ± 6%). This shows that the EOR mechanism for surfactant floods is different from 
that of nanoparticle floods. For these experiments, the increased oil recovery during 
co-injection with surfactant solution is likely dominated by an IFT reduction and 
associated capillary number increase (Equation 6, Section 1.4.2 and Figure 17), as no 
foam generation was observed. Surfactants showed high ability to generate foam in 
pore- and core-scale co-injections without oil (Papers 2, 3 and 4), but experienced a 
significant reduction in foam-stabilizing ability when crude oil was present. 
Nanoparticle-stabilized foams demonstrated a positive correlation between foam 
strength and incremental oil recovery for all injection tests. Other studies have also 
shown that nanoparticle-stabilized foams are stable in the presence of oil [108-110]. 
Foam formation is therefore likely the main EOR mechanism, with contributions from 
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reduced IFT (lesser for nanoparticles, compared to SurfA, according to Figure 17) 
between water and oil.  
 
Figure 24: Incremental oil recovery (brown, primary vertical axis) and corresponding pressure 
gradient increase (yellow, secondary vertical axis) during co-injection of supercritical CO2, brine 
(baseline) and three different foaming agents (NPA, NPB and SurfA).  
2.2.4 Meta-Analysis of CO2-Foams by Nanoparticles 
Establishing cause and effect from multi-phase fluid flow in porous media relies on 
high experimental accuracy and low influence of underlying variables. A meta-analysis 
of all nanoparticle-stabilized CO2-foam injections included in this dissertation was 
performed to evaluate the cause and effect between nanoparticle-stabilized foams 
(foam strength) to EOR and CO2 storage. In total, 25 co-injections were evaluated 
based on their pressure gradient increase (used as a proxy for foam strength), 
incremental oil recovery and CO2 storage, categorized into 10 groups based on 
experimental conditions (Table 2). All injections were performed at 90 bar pore 
pressures, constant fg = 0.70, with NPA (except group D) at 60ºC (except groups B3, F 












































































Table 2: Average values for parameters used to determine foam performance from nanoparticle 
stabilization. Each experiment is categorized with respect to experimental conditions, as shown in 
the first column (test group). Test groups B1, B2 and B3 are baseline co-injections and test groups 
A-G are nanoparticle-stabilized co-injections (compared to their respective baseline indicated in 
parenthesis). The number of experiments in each group are given by N, and all parameters are 
calculated as the difference between (end of) waterflood and (end of) co-injection during tertiary 
injection mode (Tert.) or difference between (end of) co-injection and initial conditions during 













VEE ΔP/m   
increase [%] 
B1 Sec. 2 39 25 14 59 0.4 NA 
B2 Tert. 4 6 6 11 8 2.0 39 
B3 Tert. 1 3 2 5 4 1.7 27 
A (B1) Sec. 2 50 24 27 75 0.5 NA 
B (B2) Tert. 4 11 13 24 14 2.3 118 
C (B2) Tert. 4 10 3 14 15 1.3 191 
D (B2) Tert. 2 7 12 19 10 2.8 68 
E (B2) Tert. 1 9 5 14 12 1.5 97 
F (B3) Tert. 3 10 12 22 14 2.2 108 
G (B3) Tert. 2 7 15 22 10 3.2 102 
 
 
The results from the meta-analysis show that nanoparticle-stabilized CO2-foams 
increased: i) CO2 storage by 137 ± 46%; ii) oil recovery by 91 ± 27%; and iii) pressure 
gradient by 213 ± 39%. Foam strength (measured as increase in pressure gradient) and 
its effect on oil recovery and CO2 storage displays a strong positive correlation (Figure 
25), with correlation coefficients, r, of 0.88 and 0.81 for ΔRf vs. ΔP/m increase and 
CO2 stored vs. ΔP/m increase, respectively. This correlation and the observed fluid 
diversion from foam generation on pore-scale (Section 2.1.2) suggest that foam 
mechanisms at field-scale (increased sweep and oil recovery from foam generation) are 
displayed in laboratory scale experiments.  
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Figure 25: Incremental oil recovery (black, primary vertical axis) and CO2 storage (green, 
secondary vertical axis) as a function of increased pressure gradient for 25 EOR injections in 
sandstone. Average values (if N>1) are calculated for 10 different groups (solid dots), categorized 
with respect to initial conditions. A strong positive linear correlation (dotted lines) is observed with 




















































2.3 CO2 Storage for Carbon Negative Oil Production 
For field-scale implementation of CO2 injection for EOR, an accurate account of CO2 
usage is important [111]. CO2 used is often represented as the amount of CO2 required 
to produce one barrel of oil, quantified as the CO2 utilization factor, UFCO2 [112]. The 
total CO2 storage is a combination of porous media properties (heterogeneity, 
wettability, permeability and porosity) and operational parameters (well pattern, inter-
well distance and injection strategies). For these reasons it is challenging to predict 
CO2 use during EOR. Poor sweep efficiency and early CO2 breakthrough cause high 
recycling rates and increased operational costs.  
Using CO2-foam for EOR in a CCUS context implies focus on the added-value from 
CO2-foam (incremental oil recovery) and the CO2 storage during this process. In this 
work CO2 storage was evaluated during secondary and tertiary foam injections. 
Conservation of mass combined with volumetric flux from injection and production 
parameters were used to calculate the amount of CO2 stored from change in (average) 
gas saturation in the core plugs. Correlations between foam strength (increase in 
pressure gradient), EOR (incremental oil recovery) and CO2 storage (Sg after EOR), 
enabled quantification of carbon intensity from a CO2-foam process to be determined. 
A laboratory analog to UFCO2, volume element exchange (VEE), was implemented for 
core-scale experiments. VEE is defined as the ratio of volume elements of CO2 stored 
to the volume elements of oil recovered during tertiary EOR at experimental 
conditions. VEE relates to the efficiency of the CCUS process by including the effect 
of CO2 injection and CO2-foam injection on water and oil displacement.  
CCUS analysis on nanoparticle-stabilized foams (NPA) at tough conditions (high 
salinity and temperature, Paper 6) shows that (Figure 26): i) the pressure gradients 
increased with ~150-300% (high salinity: 147%;  1500 mPPM: 296%; 5000 mPPM: 
276%); ii) the incremental oil recoveries increased with ~50-250% (high salinity: 46%;  
1500 mPPM: 238%; 5000 mPPM: 142%); and iii) CO2 storage increased with ~20-
320% (high salinity: 22%;  1500 mPPM: 324%; 5000 mPPM: 324%). Observations 
suggest that nanoparticle-stabilized foam performance improves at higher temperatures 
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(and constant brine salinity) and reduces with increasing brine salinity, compared to 
results obtained at lower temperatures and salinities (Figure 24).  
 
Figure 26: Incremental oil recovery (brown, primary vertical axis) and corresponding pressure 
gradient increase (yellow, secondary vertical axis) during co-injection of supercritical CO2 and brine 
(baseline) at 60ºC and 80ºC, and NPA-stabilized foams at harsh conditions (20 wt% NaCl or 80ºC). 
Foam stabilization is observed, with a positive correlation between increase in pressure gradient 
(ratio of pressure gradient at end of co-injection to pressure gradient at end of WF) and incremental 
oil recovery. 
VEE calculations from these experiments showed that the introduction of a third phase 
(CO2) reduced the saturation of the two other phases (oil and water) and that 
incremental oil recovery correlated positively with increased water displacement 
(Figure 27). This is an important aspect of CO2-foam flooding in a CCUS context; CO2 
mobility reduction by foam enables higher CO2 storage by mobilizing oil and water in 
comparison to floodings without foam. This means that the volume (pore space) 


















































































Figure 27: CO2 storage (green), reduction in water saturation (blue) and reduction in oil saturation 
(brown) during tertiary CO2-foam EOR core floods. Nanoparticle-stabilized foams increase CO2 
storage during EOR by increasing both oil and water displacement compared to co-injections without 
foam.  
Since CO2 is stored ex-ante (before the oil is produced and combusted), the carbon 
footprint from the EOR production can be expressed as (not including other emissions) 
the ratio of molecules of CO2 stored to molecules of CO2 released during oil 
combustion (equivalent to the ratio of C-atoms stored to C-atoms produced). If this 
ratio is one the oil displacement process is carbon neutral, meaning that the amount of 
CO2 released from oil combustion is equal to the amount of CO2 stored during EOR. 
Carbon negative oil displacement is achieved if the ratio is larger than one (more CO2 
molecules are stored during oil recovery than are produced from the combustion of the 
recovered oil). Molecules of CO2 stored can be calculated directly from CO2 volumes 
stored and CO2 density at experimental conditions. The produced crude oil composition 
was not analyzed for molecular content in this dissertation, but is expected to vary with 
injection time and experimental conditions (Paper 1, Section 2.1.1). In a CCUS context, 
the EOR by CO2 can be evaluated based on the carbon footprint, quantified in terms of 
degree of carbon neutrality (C-atoms stored to C-atoms produced). Mineral oil 
saturated core plugs (n-Decane, 10 C-atoms per molecule) were used to evaluate the 
degree of C-neutrality during CO2-foam injections for EOR (Figure 28). Outcrop rock 

































































Figure 28: Recovery factor (primary vertical axis) and apparent viscosity (secondary vertical axis) as 
a function of PV injected during secondary waterflood and tertiary CO2-foam flood. Blue and red 
curves: injections with SurfA (1 wt%) as foaming agent and gas fractions of fg = 0.70 and fg = 0.80, 
performed at 179 bar pore pressures and 60ºC in limestone (ES field analogue). Purple and green 
curve: co-injections with fg = 0.70 using a combination of NPA (0.15 wt%) and SurfA (0.5 wt%), 
performed at 140 bar and 40ºC in sandstone. Observations showed improved foam strength with 
decreased gas fraction and that a strong foam is generated by combining nanoparticles and 
surfactants. 
Converting VEE to molecular exchange demonstrates that a carbon neutral oil recovery 
was obtained for SurfA with fg = 0.70, where 96 ± 7% of the produced C-atoms were 
stored. The carbon footprint from the EOR process using NPA and SurfA as foaming 
agents was negative (Figure 29), storing 142 ± 8% of the C-atoms that would be 
released during combustion of the incremental oil recovered. The presented foam 
injection combining NPA and SurfA has not yet been published in a journal and was 
selected from several injection tests to display the potential from combining surfactants 
and nanoparticles. Favorable synergies from using mixtures of nanoparticles and 
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Figure 29: CO2 storage (green), reduction in water saturation (blue) and reduction in oil saturation 
(brown) during tertiary CO2-foam EOR core floods. SurfA-stabilized foams increased CO2 storage 
during EOR from a 10 percentage-point reduction in gas fraction (fg = 0.80 to fg = 0.70) which results 
in a carbon neutral oil production process (96% of released C-atoms were stored). Combining SurfA 
and NPA generated a strong foam, resulting in a carbon neutral oil production process that yielded a 
storage of 142 ± 8% of the produced C-atoms. 
Comparisons made between nanoparticle- and surfactant-stabilized foams in this work 
(Sections 2.2.2 and 2.2.3) indicate that surfactants have a higher ability to generate 
foams (pore-scale: foam texture, core-scale: apparent viscosity), while nanoparticles 
display a greater potential to stabilize foams (pore-scale: apparent viscosity with oil 
and Near-Newtonian flow behavior). This might in part be related to higher IFT 
reduction by surfactants (reduced energy requirement for foam generation, Equation 7) 
and greater interface adsorption energies by nanoparticles (Equation 8). Surfactant-
stabilized foams display shear-thinning behavior, while nanoparticle-stabilized foams 
demonstrated no adverse effect from higher injection rates. A mixture of surfactants 
and nanoparticles, therefore, might prove beneficial in a CCUS context from increased 
foam generation (in zones with low oil saturation, surfactant effect) and enhanced foam 


































































A key element in this dissertation has been the use of a bottom-up approach to evaluate 
CO2-foam behavior in porous media. Co-injections in high-pressure micromodels 
enabled direct pore-scale evaluation of foaming agent performance with respect to 
foam texture, foam stability and flow diversion. More realistic reservoir conditions 
were gradually introduced through changing: i) system size (pore-to-core); ii) 
temperature (room temperature to reservoir temperatures); iii) salinity (salt 
concentration and ionic strength); and iv) oil phase (mineral and crude oils); and v) 
rock material (outcrop material with low heterogeneity and reservoir material with high 
heterogeneity). Emphasis was put on representing results with a high degree of 
accuracy, facilitated through statistical analyses on repeated experiments administered 
at the same conditions. The results show that CO2-foams reduce gas mobility and have 
a great potential for use in a CCUS context by increasing oil recovery and CO2 storage.  
3.1 CO2-Foam from Lab-to-Field 
A CO2-foam system was evaluated and optimized for implementation in a 
heterogeneous carbonate field in the US. The main findings were: 
 CO2 enables fluid transport through tight shale oil core plugs, resulting in oil 
production. Unstable displacement fronts adversely affected oil recovery by 
early CO2 breakthrough and low sweep efficiency.  
 The pre-selected field-specific surfactant (SurfA) generated strong CO2-foams 
during co-injections in micromodels at high pressures. Bubble concentration 
was over two orders of magnitude higher compared to baseline co-injections. 
The stabilization effect was evaluated by foam half-life calculations at static 
conditions, with a calculated half-life of 13.3 ± 4.0 hours and a normalized 
bubble concentration of 37% after 72 hours. 
 Field slug size ratio of CO2 to brine was determined to be 0.70 based on results 
from foam quality scans in reservoir core plugs. Laboratory injections showed 
high CO2 mobility reduction, with a MRF of 25 at fg = 0.70.  
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 Surfactant concentration in brine slug (Csurf = 0.5 wt%) was selected based on 
foam strength measured from foam quality scans with reservoir crude oil (~Sor) 
and tertiary CO2-foam EOR in reservoir core plugs.  
 Field-scale simulations with laboratory derived input data (relative permeability 
curves from un-steady state CO2/water displacements, fg = 0.70 and Csurf = 0.5 
wt%) demonstrated favorable foam performance from improved CO2 utilization 
and reduced GOR, when comparing SAG- to WAG-injections.  
3.2 Nanoparticles for CO2-Foam 
The application of hydrophilic silica nanoparticles as foaming agents was studied 
through a series of tests on core- and pore-scale. The main findings were: 
 NPA was stable in brines with salinities up to 20 wt% NaCl and 5 wt% CaCl2, 
and flowed unrestricted through sandstone cores with low retention (0.40 mg/g 
at 20ºC and 0.53 mg/g at 120ºC). 
 Insignificant CO2-foam generation was demonstrated during pore-scale 
observations of NPA and CO2 at 90 bar pore pressure. At core-scale, NPA 
stabilized CO2-foams during co-injections without oil, obtaining a foam with 
maximum apparent viscosity of 7.8 mPas at fg = 0.70 (MRF = 3.8). Near-
Newtonian flow behavior from increased injection rate was observed.  
 Surfactant-stabilized CO2-foams were over two orders of magnitude stronger 
than nanoparticle-stabilized foams with a maximum apparent viscosity at fg = 
0.90 in the absence of oil. Shear-thinning flow behavior from increased injection 
rate was observed.  
 Nanoparticles displayed stabilizing effects in the presence of crude oil for all 
co-injections of nanofluid and CO2, while surfactant-stabilized foams collapsed. 
Incremental oil recovery was similar for nanoparticle-stabilized foams and co-
injections of surfactant solution and CO2. 
 A meta-analysis of nanoparticle-stabilized CO2-foam injections (18 individual 
injections, categorized into 7 groups) shows an increased: i) pressure gradient 
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of 213 ± 39%; ii) oil recovery by 91 ± 27%; and iii) CO2 storage of 137 ± 46% 
compared to baseline (7 individual injections, categorized in 3 groups). 
 Combining NPA and SurfA generated the strongest foam observed during 
tertiary co-injections, with an apparent viscosity of 199 ± 21 mPas at Sor of 
~0.25. The combined foam stabilizing effect of nanoparticles and surfactant 
resulted in an incremental oil recovery of 21 ± 2% of OOIP and a carbon 
negative oil production. 
3.3 CO2 Storage 
Quantifying CO2 storage potential and use are essential aspects of an EOR for CCUS 
process. CO2 storage was evaluated during tertiary CO2-foam injections and the key 
findings were: 
 A meta-analysis of all nanoparticle-stabilized CO2-foam injections included in 
this dissertation (18 individual injections, categorized into 7 groups) shows an 
increased CO2 storage of 137 ± 46% compared to baseline co-injections (7 
individual injections, categorized into 3 groups).  
 In tertiary injection mode (N=16), the nanoparticle-stabilized CO2-foams 
increase oil displacement (104 ± 26%), water displacement (201 ± 88%), CO2 
stored (144 ± 49%) and the pressure gradient (230 ± 42%) compared to baseline 
injections (N=5).  
 Carbon neutral oil displacement was observed for CO2-foam injection with 
SurfA in an outcrop limestone core plug with a 96 ± 7% ex-ante storage of 
produced C-atoms. For a foam injection with a combination of NPA and SurfA 
in sandstone, carbon negative oil production was observed storing 142 ± 7% of 




4. Future Perspectives 
This dissertation demonstrates the potential benefits of using CO2-foams for EOR. In 
a CCUS context, CO2-foam implementation reduces the carbon footprint from the oil 
production process and has demonstrated carbon negative oil displacement. To obtain 
a significant reduction in CO2 emissions while continuing to supply the world with 
cheap, plentiful and reliable energy, large-scale implementation of optimized foam 
systems in mature reservoirs is a promising technology. Optimizing foam systems 
requires a deep understanding of all aspects related to foam flow in porous media. 
Future extensions on the experimental work presented in this dissertation should put 
emphasis on foam performance in less water-wet core material in the presence of oil. 
Micromodels can be used to study the effect of different foaming agents on foam 
performance. Implementing a software capable of detecting interfaces for statistical 
representation of obtained empirical data would allow for inherent micromodel 
properties such as pore size distribution, aspect ratio and correlation number to be 
evaluated in relation to foam texture (bubble sizes, shapes and distributions), foam 
generation mechanisms and foam stabilization mechanisms. In addition, foam 
generation mechanisms could be determined from interface analyses during foam 
floods at lower injection rates or by implementing a camera with shorter shutter speed 
i.e. that takes more pictures per unit time. Foam quality scans should be performed with 
continuous oil injection, since it enables foam strength to be determined as a function 
of oil saturation.  
A promising, cost efficient way of obtaining high performing field-specific foam 
systems could be found in the synergies that arise from using nanoparticles and 
surfactants as foaming agents. Research has shown that combinations increase [45, 
114, 115] and reduce [116, 117] overall performance. The interplay between 
nanoparticles and surfactants must therefore be evaluated. The work presented in this 
dissertation suggests that surfactants are better foam generators, while nanoparticles 
are better foam stabilizers. Combining these effects should generate foams with a high 
lamella concentration (surfactant effect), producing large surface areas for 
nanoparticles to adsorb onto and stabilize.  
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4.1 Field Pilot Project 
Laboratory investigations show that surfactant-stabilized CO2-foam reduces gas 
mobility, increases oil recovery and diverts fluid flow. Obtained input parameters for 
the numerical simulator enabled predictions of field-scale foam performance through 
core-to-field up-scaling. Verifying foam performance at field-scale is an important 
extension of the work presented in this dissertation. Data collection and monitoring 
before, during and after SAG injection should include:  
 Inter-well tracer tests to determine CO2 breakthrough time 
 Single-well tracer tests to estimate remaining oil saturation 
 4D seismic surveys to quantify CO2 storage and mobility control through CO2 
saturation distribution 
 Fall-off pressure tests to determine injection interval 
 Reservoir zone specific injection profiles to determine fluid flow in different 
zones and verify flow diversion from foam 
A continuous evaluation and implementation of the obtained data will contribute 
towards a better understanding of foam behavior at field-scale and improve future 






AOS alpha-olefin sulfonate 
CCS carbon capture and storage 
CCUS carbon capture, utilization and storage 
UFCO2 CO2 utilization factor 
DL drainage-like injection sequence 
ES East Seminole 
EOR enhanced oil recovery 
e.g. exempli gratia,"for example" 
GOR gas oil ratio 
GHG greenhouse gas 
i.e. id est, "in other words" 
IL imbibition-like injection sequence 
IFT interfacial tension 
IPCC Intergovernmental Panel on Climate Change 
L length 
LE local equilibrium 
MRF mobility reduction factor 
FM modeling mobility reduction factor 
NPA nanoparticle A (hydrophilic) 
NPB nanoparticle B (less hydrophilic) 
NA not applicable 
OOIP original oil in place 
PB population balance 
PV pore volume 
Sec. secondary injection mode 
SD standard deviation 
SE standard error 
SurfA surfactant A, Surfonic L24-22 (ES field specific) 
SAG surfactant alternating gas 
T temperature 
Tert. tertiary injection mode 
UiB University of Bergen 





N number of repeated experiments in a specific category 
%* percentage-points 
˚C degrees Celsius 
C0 initial concentration 
Cout effluent concentration 
Csurf surfactant concentration 
E energy 
ED microscopic displacement efficiency 
ER recovery efficiency 
Ev macroscopic displacement efficiency 
fg gas fraction 
Fi foam model functions 
fmmob reference mobility-reduction factor 
k absolute permeability 
keff effective permeability 
kfrg gas relative permeability without foam 
knfrg gas relative permeability with foam 
krf foam relative permeability 
mN/m milliNewton/meter 
mPPM parts per million by mass 
NC capillary number 
Rf recovery factor 
Sg gas saturation 
So oil saturation 
Sor residual oil saturation 
Sw water saturation 
ui superficial velocity phase i 
wt% weight percent 
ΔP differential pressure 
ΔP/m (∇P) pressure gradient 
θ  contact angle 
λ fluid mobility 
μ viscosity 
μapp apparent viscosity 




1 mPas = 1 cP = 0.001 Pas 
1 bar = 100 kPa = 14.5 psi 
1 wt% = 10 000 mPPM    
1 MPa = 10 bar    
1 acre = 4047 m2    
1 foot = 0.3048 m    
1 inch = 2.54 cm    
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